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This paper discusses methods of assessing oil and gas resources and evaluating
their mobility in shale reservoirs using programed pyrolysis data in conjunction with
reservoir engineering parameters derived from production data. The hydrocarbon
resource is calculated from the measured free hydrocarbon by programed
pyrolysis with correction of evaporative loss that occurred during coring,
storage and sample preparation. The correction takes account of the loss of
light hydrocarbon fluids as a result of phase change during core retrieval to the
surface and evaporative loss related to storage and sample preparation. Based on
their response to ramping temperature during sample pyrolysis and thermal
equilibrium behavior of distinct petroleum products at different thermal
maturities, the estimated oil and gas resources are divided into three
categories: non-movable, restricted, and movable to characterize the mobility
of the petroleum fluids. The mobility classification is compared with oil
compositional grouping based on evaporative kinetics of petroleum products in
rock samples to examine their affinity. Pyrolysis analysis results from naturally
matured samples and production data from different fluid zones in the Duvernay
Shale resource play in Western Canada Sedimentary Basin (WCSB) were used to
demonstrate the application of the proposed method. While the mobility of
petroleum fluids increases with thermal maturation in general, the total
movable resource reaches its maximum at the end of oil generation window,
then declines as a result of massive loss due to hydrocarbon expulsion towards to
gas window where liquids are thermally cracked to gaseous hydrocarbons.
Compositional grouping based on evaporative kinetics does not show a
complete accordance with mobility grouping, suggesting composition is only
one of many factors affecting hydrocarbon fluid flow in shale reservoir. More
studies are required to better understand the fundamentals of oil mobility in shale
reservoir.
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Highlights

• Lowering starting temperature in programed pyrolysis can
reveal oil compositions in shale.

• Evaporative loss correction of free hydrocarbons in S1 considers
fluid phase and PVT behavior.

• Petroleum compositional grouping from hydrocarbon evaporative
kinetics was compared with oil mobility assessment.

• Hydrocarbon compositional grouping and oil mobility assessment
provide critical information to resource development decision on
shale oil plays.

1 Introduction

Shale oil and gas reservoirs are a type of self-sourced and self-
retained system with mixed porous media of different origins and
properties that differs significantly from conventional and tight
reservoirs (Akkutlu and Fathi, 2012; Chen et al., 2017a). Petroleum
fluid in shale reservoir starts from a single phase of oil in oil window
(e.g., shale oil) through a transition of multiphase fluid to a single
phase of gas in dry gas window (i.e., shale gas) with increasing thermal
maturity. This study presents novel methods for assessing petroleum
resource potential and mobility of petroleum fluid in a shale reservoir.

In shale petroleum resource appraisal, the current practice of
“volume = porosity × hydrocarbon saturation” is largely based on
the understanding of conventional reservoir, and the resulting
estimates often yield large uncertainties in resource volume and
provide no information with respect to oil mobility. Many laboratory
methods designed for conventional reservoirs could be problematic for
measuring porosity and water saturation in shale reservoirs (e.g., Passey
et al., 2010; Bohacs et al., 2013; Hartigan, 2014). Uncertainties arise
because of the presence of large amount of clay minerals (e.g., Passey
et al., 2010) and multiscale porous media with different origins and
physical/chemical properties in shale reservoirs (Passey et al., 2010;
Akkutlu and Fathi, 2012; Bohacs et al., 2013; Hartigan, 2014; Chen et al.,
2017b). For example, Passey et al., 2010 showed that there could be large
discrepancies in porosity measurements from different laboratories for
the same set of shale samples and discussed the possible causes for the
discrepancies. Ole (2015) showed that porosity from He porosimetry is
about two times of that frommercury injection porosimetry (MIP) even
they were measured at the same lab. This led to a recommendation of
utilizing hydrocarbon saturated porosity for resource estimation in shale
resource plays by industry (e.g., Passey et al., 2010; Bahacs, et al., 2013).
As a matter of fact, there are also significant shortcomings to the
hydrocarbon saturation estimation approach. In addition to the
evaporative loss of hydrocarbon and uncertainty in porosity
measurement of the sample, the impact of phase change on
hydrocarbon volume due to variation in temperature-pressure (T-P)
conditions from reservoir to surface is difficult tomeasure. Furthermore,
the properties of shale reservoir can vary from one formation to the
other, and thus petrophysical porosity and saturation calculations
requiring calibration from these laboratory measurements is less
reliable (Sondergeld, et al., 2010). Baek and Akkutlu (2019b) showed
that source rock reservoir stores oil in significantly larger volume than
that obtained based on conventional oil saturated pore volume
calculation due to the so-called nanopore confinement effects.

In addition to the abundance of resources and rock mechanics,
movability of petroleum fluid in shale reservoir represents another key

challenge for successful resource development. Shale oil production
results from North America suggest that oil mobility is a key factor
affecting the success of commercial production. Cander (2013)
showed that high production rate in the liquid zones is related to
high gas to oil ratio and optimal oil viscosity. Unlike conventional
reservoirs where hydrocarbon flow shows nearly-constant
composition through production, physical and chemical properties
of petroleum fluids retained in shale reservoir differ from those of the
produced fluids largely due to the interaction between the
hydrocarbon fluids and the hosting organic-rich rock (Whitson
and Sunjerga, 2012; King, 2014; Akkutlu et al., 2017; Baek and
Akkutlu, 2019c), suggesting that fluid compositions play an
important role in oil mobility. Furthermore, hydrocarbon
molecules are more likely to be trapped in the pores that are
smaller than 10 nm in size (Zhang et al., 2017). The nanopore
confinement combined with oil adsorption in shale reservoir
impedes the mobility of oil, thus reducing oil recovery (Akkutlu
et al., 2017; Baek and Akkutlu, 2019a and c). Therefore,
information on fluid compositional properties prior to production
are crucial for delineation of productive sweet-spots in shale resource
plays and their completion design as well as extraction optimization
(Carder, 2013; King, 2014; Jarvie, 2012; Chen et al., 2022).

The state of occurrence of oil and gas in shale reservoir is primarily
controlled by the thermal maturity and the type of source rock and is a
good indicator of oil mobility (Chen et al., 2019a; Li et al., 2019). Bulk
geochemical data from Rock-Eval analysis and other types of
programed pyrolyses contain critical information related to source
rock type and maturity. While the mass of petroleum fluids remains
the same under reservoir and surface conditions, the phase behavior of
various compositional groups can respond differently to the changes
in temperature and pressure, allowing for inferences of resource
potential and compositional characterization of produced fluids.

Programed pyrolysis provides a measure of free hydrocarbons
(i.e., S1 peak from Rock-Eval analysis) for the amount of retained oil
in the rocks, and the parameter has been used to calculate the oil filled
pore volume (Jarvie, 2012; Modica and Lapierre; 2012; Li et al., 2018;
Chen et al., 2019b). However, early hydrocarbon generation products
contain larger amounts of high molecular weight and heteroatoms-
containing components of crude oil and bitumen with properties in a
transition between solid organic matter and petroleum fluids (e.g.,
Delveaux et al., 1990; Jarvie, 2012; Abrams, et al., 2017; Burnham,
2017), thus resulting in strong interaction between the hydrocarbon
fluids and the organic-rich host rocks. The interaction is further
enhanced by large specific surface area of nano-pores (Sandvik et al.,
1992; Jiang et al., 2016; Chen et al., 2017a; Li et al., 2018) and lead to
strong confinement effects (Akkutlu et al., 2017; Bui et al., 2018; Baek
and Akkutlu, 2019a; b and c). As a result, the evaporative release of the
adsorbed oil from rock sample requires higher temperature than the
default 300°C of routine Rock-Eval pyrolysis, causing the so called
“carry-over” phenomenon inwhich a large portion of oil in the adsorbed
state appears within the Rock-Eval S2 peak as a front-shoulder. Thus,
the S1, supposedly representing “free hydrocarbons”, contains
predominantly only the light components of the total oil (Delveaux
et al., 1990; Jarvie, 2012; Jiang et al., 2016; Abrams et al., 2017).
Furthermore, evaporative loss of volatile components (and gas
components as well) from the S1 can occur during coring, sampling,
storage and sample preparation. Correction of this loss has been
indicated to be challenging (e.g., Jarvie, 2012; Modica and Lapierre,
2012; Michael et al., 2013; Jiang et al., 2016; Chen et al., 2018; Li et al.,

Frontiers in Earth Science frontiersin.org02

Chen et al. 10.3389/feart.2023.1094434

https://www.frontiersin.org/journals/earth-science
https://www.frontiersin.org
https://doi.org/10.3389/feart.2023.1094434


2018). Therefore, a robust estimation of shale oil resource based on
Rock-Eval type programed pyrolysis requires corrections on both
evaporative loss and separation of the retained oil from S2 peaks.

This paper uses the Duvernay liquid rich resource play as an
example to propose an alternative approach to assess the resource
potentials in different thermal maturity zones and evaluate petroleum
fluid mobility and compositional grouping based on mass balance
principles, phase and PVT behaviors and evaporative kinetics.

2 Data and methods

2.1 Data and analytic procedure

2.1.1 Samples
Five core samples were taken from the bituminous shale of the

Upper Devonian Duvernay Formation in five wells in the Western
Canada Sedimentary Basin (WCSB). The five core samples cover

source rock maturity levels from early oil generation to dry gas
windows (Figure 1). Table 1 presents the Rock-Eval data for the
five Duvernay shale samples used in this study. As no immature
sample was available in this study, the data of SAP sample from
Dieckmann et al. (2004) was plotted in Figure 2B as the immature
source rock for comparison.

2.1.2 Hydrocarbon distributions from programed
pyrolysis

Sequential thermal desorption and pyrolysis of powdered
(<250 um) bulk shale samples was used in this study to
characterize the amount of hydrocarbons liberated from the shale
samples in different temperature ranges. The thermal analysis was
performed on a Frontier EGA/PY 3030D pyrolyzer system that was
interfaced to an Agilent GC-MSD/FID for the detection of
hydrocarbons and other volatile components. The furnace of the
pyrolyzer was programed from 50°C to 850°C at a rate 25°C/min
and then held for 3 min. Products released from the rock samples

FIGURE 1
Location of the study area and core sample well locations in this study (modified from Switzer et al., 1994). Well names and major bulk geochemical
features of the samples are provided in Table 1 (last column: well ID in map).
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during either the thermal desorption (e.g., <350°C) or the pyrolysis
(350–850°C) in the pyrolyzer furnace was immediately transferred
through a short (i.e., 2.5 m) non-activated capillary column to the GC-
MSD/FID detectors by helium carrier gas at 10 mL/min flow rate, so
the abundances of the thermal products can be measured real time as
hydrocarbon pyrograms or traces. The EGA FID pyrograms represent
the real-time response of instant total amount of hydrocarbons
released from the thermal analysis and are used in this work for
studying the kinetics of hydrocarbon desorption and generation from
the organic-rich shales. The pyrograms are also used for compositional
grouping of the petroleum substances (Figure 2A). It should be noted
that, the programed pyrolysis procedure using the Frontier EGA/PY
3030D pyrolyzer system differs from the routine Rock-Eval analysis
heating program. The powdered shale samples were also subjected to

conventional programed pyrolysis using a Vinci Technology’s Rock-
Eval 6 device. The basic method was used for Rock-Eval analysis to
produce a Rock-Eval FID hydrocarbon pyrogram where S1 was
generated at 300°C for 3 min, and S2 was then produced by
increasing the furnace temperature at 25°C/min to 650°C. Details of
the procedure can be found in Behar et al. (2002). Figure 2B shows the
cross plot of hydrogen index (HI) versus Tmax from routine Rock-
Eval 6 analysis.

2.2 Methods

For the convenience of methodology description, a raw Rock-Eval
hydrocarbon pyrogram is divided into three parts (Figure 3), S1a for

TABLE 1 Rock-Eval analysis results of the five core samples from Upper Devonian Duvernay Formation in WCSB.

Sample
ID

Well name Sample
type

Depth
m)

S1 (mg
HC/g
rock)

S2 (mg
HC/g
rock

S3 (mg
CO2/g
rock)

TOC
(%)

Tmax
(°C)

HI (mg
HC/

g TOC)

RC
(%)

PI
(%)

Well
ID
in

map

C-590392 LONG RUN DD
GVILLEE 4-34-
77-23

Core 2,412.15 2.07 19.27 0.41 4.43 433 435 2.62 0.10 04-34

C-594351 SDEL PEMBINA
8-32-46-9

Core 3,137.1 8.55 9.33 0.47 5.09 454 183 3.58 0.48 08-32

C-590327 CELTIC
KAYBOBS 13-25-
59-19

Core 3,212.25 11.61 5.21 0.28 5.73 466 91 4.32 0.69 13-25

C-590436 CVE WILLGR 14-
10-44-7

Core 3,112.35 10.12 4.52 0.35 4.91 476 92 3.68 0.69 14-10

C-590378 AOSC GRIZZLY
1-24-61-23

Core 3,725.05 0.84 1.33 0.22 3.45 517 39 3.26 0.39 01-24

E42790 SPA (Diechmann
et al., 2004)

Core 8.58 420 604

FIGURE 2
(A) Hydrocarbon pyrograms of the five shale samples from EGA pyrolyzer showing general trends of decreasing hydrocarbon generation potential
represented by S2 peaks and increasing free hydrocarbon represented by S1 peaks with increasing thermal maturity represented by Tmax. Higher maturity
samples do not have larger S1 peaks due to evaporative loss of gaseous and volatile hydrocarbons and the expulsion of a large part of generated hydrocarbons
out of the source rocks prior to coring; (B) Cross-plot of Tmax-HI data from Rock-Eval analysis showing the trajectory of thermal decomposition for
kerogen in Duvernay shales.
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volatile and semi-volatile petroleum components released at 300°C;
S1b for high-molecular weight petroleum components with high
boiling points; and S2 for kerogen thermal decomposition
products. Li et al. (2018) and Chen et al. (2018) have discussed
methods for separating S1b from S2 using a numerical approach
based on evaporative kinetics. The present study attempts to
determine the total oil yield and quantify petroleum group
characteristics with respect to oil mobility and composition, and
this is done by considering the various interactions between
petroleum fluid and porous media including sorption, nanopore-
confinement and any other factors that may impede the fluid flow
in shale reservoir.

This study focuses on the petroleum substance already existing
prior to pyrolysis regardless of their composition and physical states
(free or adsorbed) in a source rock sample. Jarvie (2012) used the term
“total oil yield” to describe the amount of petroleum in rock samples.
The following terms are used to describe petroleum resource
components in a shale reservoir. Similar to Jarvie (2012), total oil
yield (TOY) is the quantity of petroleum already present in sample
prior to pyrolysis and detected by FID during thermal analysis. Free
hydrocarbon is one portion of TOY and represented by the Rock-Eval
S1a peak that is thermally vaporized at or below 300°C during the
thermal analysis. Sorbed oil describes the other portion of TOY that is
thermally vaporized at temperatures exceeding 300°C during pyrolysis
shown as S1b “carry-over” in the front of S2 peak, comprised of
hydrocarbons and hydrocarbon-like substance of high molecular

weight oil and bitumen (Jarvie 2012; Jiang, et al., 2016; Li et al.,
2018). Please note that some of petroleum substances in S1a,
particularly the gaseous and volatile components are likely lost
during drilling and sampling prior to the laboratory analysis, and
all these need to be taken into account for advanced resource
assessment.

2.2.1 Evaporative loss of volatile hydrocarbon
The evaporative loss of free hydrocarbons in source rock

samples is a well-known problem, and various methods have
been proposed to address this issue. For example, Michael et al.
(2013) proposed using the density index API of crude oil and
the <C15 hydrocarbon content to estimate light hydrocarbon
loss. Chen et al. (2018) used geochemical data to calculate the
amount of light hydrocarbon loss in S1 on the basis of material
balance. Based on the phase equilibrium and studies of pyrolysis
light hydrocarbon loss under different temperature and pressure
conditions, Chen et al. (2019b) proposed the use of oil formation
volume factor (FVF) or solution gas oil ratio (GOR) to estimate
evaporative loss from a sample during coring/drilling. The approach
proposed by Chen et al. (2019b) is adopted in this study, using FVF
to approximate light hydrocarbon loss during coring/drilling for
samples from oil window and extend the evaporative loss into dry
gas window in this study.

In this paper, S1F is defined as the free petroleum, and S1S the
oils sorbed in the source rock corresponding to the S1b peak in

FIGURE 3
Thematic diagrams showing partition of Rock-Eval FID pyrogram and corresponding activation energy groups and thermal production make-ups. FID
responses of petroleum products from pyrolysis can be plotted in different variable spaces: (A) FID response vs. time of thermal analysis (FID curve); (B)
decomposed FID in activation energy space; (C) thermal products re-grouped in temperature domain that were converted from (B); and (D) three categories
of products re-grouped from (C) and defined in (A) in temperature domain. (B) and (C) aremathematic projections of (A) in Ea and T variable spaces, while
(D) is re-grouped (C).
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Figure 3A. Jarvie (2012) refers to the sum of the two as total oil
yield (TOY):

TOY � S1F + S1S (1)
The units are the same as the pyrolysis data (mg HC/g rock).
Here, we are interested in the free hydrocarbons only and will

discuss the sorbed oils later. The total free hydrocarbon (S1F) is the
sum of the remaining free hydrocarbon (S1a) in the sample as
represented in Figure 3A, and the light hydrocarbons lost during
coring, storage, sampling and preparation prior to analysis (S1L):

S1F � S1a + S1L (2)
Let S1LS denote the amount of light hydrocarbon loss during

coring and S1LP the loss during storage, sampling and sample
preparation prior to analysis. The total amount of light
hydrocarbon loss (S1L) is defined as:

S1L � S1LS + S1LP (3)
For shale reservoirs still located in the oil window, the light

hydrocarbon in sample can be calculated using the formation
volume factor (FVF) of the crude oil:

S1F � S1LP + S1a( )FVF ρoilR
ρoiiS

(4)

where S1a corresponds to the Rock-Eval S1 reading of normal
pyrolysis procedure, representing the amount of remaining free
hydrocarbons in the sample; ρoilS and ρoilR are the densities of
crude oil under surface and reservoir conditions. If the difference
of the two densities is smaller than the uncertainty of the density data
itself, we can directly use (S1a+S1LP)×FVF to restore the amount of
gaseous hydrocarbons lost during coring. It can be seen later that FVF
is a power function of Tmax. At the end of the oil window, even a small
abnormal fluctuation in Tmax value can affect the calculation of FVF.
As such, a constraint based on conservation principle is introduced to
avoid over-corrections. An upper-limit constraint is given in the
following form:

S1F ≤ 1 − f( ) HIo −HI( ) × TOC/100 (5)
where f (fraction) is hydrocarbon expulsion efficiency factor and HIo
(mg HC/g TOC) is the initial hydrogen index that can be obtained
using the empirical equations in Chen and Jiang (2016); Li et al.
(2019). HI (mg HC/g TOC) and TOC (w % of rock) are measured
hydrogen index and total organic carbon content from pyrolysis
respectively, and their values decrease with increasing maturity.

For samples in gas window, the correction can be done on the basis
of gas volume change through gas compressibility calculation. Let
moilR denote the oil mass in shale reservoir, φorg (=φoilR) be the
corresponding pore space storing the oil, and ρoilR be the oil density in
reservoir. Let VgasR denote the volume of natural gas in reservoir,
ρgasS be the density of natural gas at surface condition, and mgasS the
mass of natural gas at standard surface condition. The gas formation
volume factor bg, can be estimated from the following equation:

bg � zTrPs

TsPr
(6)

where Tr and Ts k) are temperatures at reservoir and standard surface
condition, respectively; Ps and Pr are pressures (mPa) in reservoir and
surface condition respectively, and z is gas compressibility factor.

The oil volume in reservoir can be estimated by

VoilR � moilR/ρoilR (7a)
and the gas volume in surface condition

VgasS � mgasS/ρgasS (7b)

by assuming that the volume of pore space occupied by oil before being
thermally cracked to gas remains approximately the same, the ratio of
the pore volume in reservoir (φoilR) in Eq. 7a to gas volume in surface
(VgasS) in Eq. 7b equals the gas formation volume factor (bg). Re-
arranging the ratio of Eq. 7a/Eq. 7b, the mass of gas in pore can be
obtained by the following relation:

mgasS �
ρgasS
ρoilR

moilR

bg
(8)

From Eq. 8, the gas evaporative loss can be estimated by the
difference between mgas and residual gas remaining in S1 at the
surface. This is mass balanced method without dealing the
mechanism of the loss.

In contrast, the amount of light hydrocarbon loss during sample
storage and sample preparation are subject to many factors, such as,
the type of sample (cuttings or core), oil and gas composition, source
rock maturity, abundance of organic matter, state of core (complete or
broken), storage conditions after coring (immediately sealed with
plastic film or cryopreservation with liquid nitrogen, etc.), and
whether the sample is analyzed immediately after pulverization
(Jiang, etc. 2016; Michael et al., 2013; Chen, et al., 2018). In the
absence of detailed information, accurate estimation of the loss of light
hydrocarbons during core storage, sampling and sample preparation
seem to be difficult. As such, we apply an average value from
laboratory experiments, such as those from Jiang et al. (2016). This
method is a mass balanced method and does not require knowing the
mechanisms of light hydrocarbon loss.

2.2.2 Oil grouping from evaporative kinetics of
petroleum substances

The temperature dependency of chemical reaction rate constant kj
is described using the Arrhenius equation (e.g., Chen et al., 2017b):

kj � A · exp − Ej

RT
( ) (9a)

where A is the pre-exponential or frequency factor, Ej is the activation
energy of the jth compositional group, R is the gas constant, T is the
absolute temperature, and aj is the abundance of the jth components.

Penner (1952) showed that the temperature dependency of rate
constant in chemical reaction kinetics also holds for thermal
evaporation. The rate constant for evaporation (kVj) can be
approximated by the following form (Penner, 1952):

kVj � eB · exp −HVj

RT
( ) (9b)

where B is the frequency factor of evaporation, which is a function of
enthalpy and molecular weight of evaporating liquid, and free volume
(per molecule) in condensate state.HVj is the enthalpy for composition
group j of the evaporating liquid, and e =2.71828 is a mathematical
constant that is the base of the natural logarithm.

Thermal evaporation of petroleum in an open pyrolysis system is
treated as pseudo thermal decomposition as the physical evaporation
and chemical reaction processes are mixed at low temperature, and the
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formulation in chemical reaction kinetics (Eq. 9a) is used to
approximate the behavior of thermal evaporation of petroleum
substances in an open pyrolysis system.

Let x denote the content of petroleum in the source rock, and f(x) a
mathematical function of x describing the thermal evaporation. The
petroleum evaporation of a source rock sample in a pyrolysis system
can be approximated by a series of independent and parallel first order
pseudo-chemical reactions with aj representing relative contribution
of the jth component (Chen et al., 2018; Li et al., 2018).

dx

dt
� ∑m

j�1ajkjf(xj) (10)

Eq. 10 is re-written to reflect the fact of mixture of three types of
thermal products during programed pyrolysis:

−dx
dt

� ∑w

j�1ajkjf xj( ) +∑p

i�1aikif xi( ) +∑q

k�1akkkf xk( ) (11)

The first term on the right side in Eq. 11 describes the thermally
evaporated free hydrocarbons in S1a; and the second term
quantifies the thermally vaporized hydrocarbon residuals of
bitumen and heavy oils (i.e., S1b), and the third one represents
the true kerogen thermal decomposition of the source rock during
pyrolysis, S2. In the equation, w is the number of pseudo-
activation energies for the free hydrocarbons in S1a, p is the
number of pseudo-activation energy groups for the residual oils
in S1b, and q is the number of activation energy groups for the
kerogen in S2.

By sharing the same frequency factor A and using an activation
energy distribution for the mixed physical and chemical thermal
processes, the cumulative amount of hydrocarbons detected by FID
at time t is the sum of each individual hydrocarbon and kerogen
components specified by a corresponding activation energy
(Burnham and Braun, 1999; Chen et al., 2017b and c; Chen et al.,
2018):

x � ∫∞

0
exp −A∫t

0
k T( )dt[ ]D E( )dE (12)

where D(E) is the density of petroleum components with specific
ranges of activation energies, and ∫∞

0
D(E)dE � 1. In this study a

non-parametric and discrete form of activation energy distribution
is used. For the numerical integration in time domain for Eq. 12, one
can break the heating processing into a series of isothermal
segments,

xp � xp−1 − kp−1 · f(xp−1) · (tp − tp−1) (13)

where xp is the fraction remaining at time p; kp−1 is the reaction rate at
the previous time; (tp − tp−1) is the time interval (Chen et al., 2017a;
and b).

2.2.3 Heavy and sorbed oils
Early and intermediate products of kerogen thermal

degradation contain a large amount of high molecular weight
bitumen and heavy crude oil components. Strong interaction
between those products and the host rock makes sorption a
common phenomenon for source rocks in oil window, and this
oil component is often not detected and reported as free
hydrocarbons with routine Rock-Eval analysis. Li et al. (2018)
reported >50% of the total oil yield in sorbed sate in Eocene-

Oligocene Shahejie Formation source rocks from the Jiyang Sag.
Similarly, Han et al. (2015) reported 54% of the total oil being
sorbed in the Barnett shale in Bend Arch-Fort Worth Basin of the
United States. To tackle this issue, Jarvie (2012) suggested two
separate pyrolysis analyses on the same sample, one on the whole
rock sample and the other on the solvent-extracted aliquot. The
adsorbed oil content (S1S) can then be estimated from the two
pyrolysis results by the following relationship:

S1S � S2 − S2X − S1X (14)
where, S2 and S2X are the hydrocarbon generation potentials from the
pyrolysis data before and after solvent treatment, and S1X is the free
hydrocarbon S1 after solvent treatment.

Alternatively, Li et al. (2018) proposed a numerical method for
directly calculating the adsorbed oil based on hydrocarbon
generation kinetics and the differences in the thermal
evaporative and kerogen cracking products. By transforming the
sample FID pyrogram (Figure 3A) into activation energy domain
(Figure 3B), two activation energy distributions can be obtained,
one for petroleum substances existing in the sample by thermal
desorption and the other for kerogen cracking products.
Transforming the activation energy distribution of the kerogen
decomposition products back to temperature domain will result in
a true S2 equivalent curve S2Xeq, the pyrogram equivalent of a
solvent-treated sample (Figures 3C, D). The adsorbed oil can then
be calculated using the following equation:

S1b � S2 − S2Xeq( ) (15)

For details of the numerical method, readers are referred to Li et al.
(2018).

3 Results

The upper Devonian Duvernay Shale is a known petroleum source
rock in the Devonian conventional petroleum system of south-central
Alberta in WCSB (Creaney et al., 1994) and has been studied and
reported in the past (e.g., Stoakes and Creaney, 1984 and, 1985)
Creaney, 1989; Creaney and Allan 1990; Allan and Creaney, 1991;
Switzer et al., 1994; Chow et al., 1995 and Stasiuk and Fowler, 2002 and
2004). It is also a proven liquid-rich shale gas play in North America
(AER, 2016; NEB, 2017). TheDuvernay Formationwas deposited under
basinal and marine setting with deep-water and low-energy conditions
surrounded by reefs and carbonate platforms. The Duvernay source
rock is organic-rich, consisting ofmostly oil prone Type II kerogen, with
present day TOC values of up to 15%. Duvernay-sourced oils are low in
sulphur and have pristane/phytane ratios of 1.5–2.4, indicating source
deposition under normal marine salinities in an oxygen-poor
environment (Creaney et al., 1994). Studies suggested that the
presence of anoxic conditions, combined with slow sedimentation
rates, are the main reasons for preservation of organic material in
this organic-rich source rock (Chow et al., 1995). Stasiuk and Fowler
(2004) and 2005 show that maturity of the organic matter varies from
immature in the north and east to over-mature in the southwest close to
the deformation front, with a large part of the Duvernay Shale basins
lying in the wet-gas generation window. Dong et al. (2019) presented a
porosity model for the Duvernay shale reservoir, documenting the
porosity development with increasing thermal maturity.
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3.1 Bulk geochemical characteristics of
source rock samples

Five core samples from recent Duvernay Shale oil and gas pilot
wells of various thermal maturities are selected for this study. They are
organic rich with remaining TOC contents varying from 3.21 to 5.73%
and show wide range of maturity levels from early mature (Tmax =
433°C) to over mature (Tmax = 560°C) in a depth range between
2,412 and 3725 m (Table 1). The remaining petroleum generation
potential as represented by HI varies from 435 to 39 mg HC/g TOC
(Table 1) and decreases with increasing thermal maturity (Figure 4A).
The OSI=S1/TOCx100 (mg HC/g TOC) increase with maturity and
reaches a maximum at around Tmax of 475°C (Figure 4B), then
follows a decreasing trend with further thermal maturation. The
samples above the OSI = 1 line in Figure 4C are those with
abundant free oil. S1 versus S2 do not follow a linear correlation
because of the maturity overprint (Figure 4D). When samples come
from the same source rock with similar maturity in oil window, S1 and
S2 show a linear relationship (e.g., Chen et al., 2018).

The EGA FID hydrocarbon pyrograms of the five naturally
matured samples have been normalized to their TOC contents and
overlapped one to another to show the systematic shift in the
thermally evolved products from kerogen to petroleum with
increasing thermal maturity (Figure 2A). The S1 peak on the
left represents thermally evaporated petroleum substance already
in the sample, whereas the S2 peak on the right corresponds to the
remaining kerogen yet to be converted. With increase in thermal
maturity, S2 peaks decrease in both height and size, accompanied

by a shift in temperature at the peak generation rate. The
diminishing of remaining kerogen generation potential with
increasing maturity is clearly demonstrated by decreasing HI
with increasing Tmax in Figure 4B. It should be noted that no
special measures have been taken to prevent the evaporative loss of
light hydrocarbons during coring and sample preparation for
analysis of any of the five samples.

Several interesting observations can be made from Figure 2A on
the change in S1 peaks. First of all, the temperature of peak valley
between S1 and S2 peaks varies from around 300°C for immature
source rock sample to 430°C for high maturity samples (Tmax >
460°C). The temperature shifts in both S1 and S2 curves suggest a
dynamic process in kerogen conversion and show compositional
changes in both kerogen and generated petroleum products
through kerogen conversion to petroleum fluids. Secondly, S1 peak
does not show a monotonic increase with thermal maturation and
kerogen conversion to petroleum products (Figure 2A). The size and
height of S1 curves reach the maximum at Tmax around 466–476°C
(Figure 2A) due to oil expulsion in the source rock and evaporative
loss of volatile components during coring/drilling, sampling and
sample preparation in laboratory. Thirdly, change in the shape of
S1 curve reflects oil compositional variation with thermal maturation.
A considerable amount of light oil already in the sample seems to have
disappeared, being partly expelled from the source rock as a
consequence of fluid expansion and partly lost when the core was
brought to the surface.

Among the five samples, the least thermal mature is C-590392
with a Tmax = 433°C, PI = 10% and vitrinite reflectance of 0.8%. To

FIGURE 4
Cross-plots of Rock-Eval parameters showing general characteristics of the source rock samples and the thermal maturity overprints. (A) Hydrocarbon
generating potential hydrogen index HI vs maturity parameter Tmax; (B)Oil saturation index OSI vs maturity Tmax; (C) S1 peak vs TOC; (D) S2 peak vs S1 peak.
OSI=S1/TOC × 100 (oil saturation index).
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establish a full thermal decomposition trajectory for the Duvernay
Shale from immature stage, it is preferably to start from an immature
sample. The pyrolysis parameters and activation energy estimation of
the sample SAP (Table 1; Figure 5A) from Dieckmann et al. (2004)
were taken to serve as the immature sample. The forward kinetic
modeling procedure by Chen et al. (2015 and 2019) is employed to
generate pseudo Tmax-HI trajectory that are then superimposed by
the measured sample data points to show the thermal decomposition
path of the Duvernay Shale (Figure 5B). The modeled kerogen
conversion using the activation energy and frequency factor of the
SAP sample is shown in Figures 5A, C transformation ratio based on
empirical equation of Chen and Jiang (2016) is plotted in Figure 5D.

3.2 Petroleum resource potential andmobility
grouping

3.2.1 Evaporative loss estimation
A total of 238 horizontal production wells were drilled into the Upper

Devonian Duvernay Shale with multi-stage fracturing between 2011 and
2015. The proven reserves include 210million barrels of oil and 1.2 trillion
cubic feet of natural gas from 21 shale oil wells and more than 100 gas
wells (AER, 2016). Production data suggest a good correlation between
gas-to-oil ratio (GOR) and formation volume factor (FVF) in
conventional petroleum reservoirs (PetroWiki, 2018). Similarly, initial
GOR of dissolved gas in shale oil reservoirs is well correlated with FVF.
Available GOR, FVF and fluid density data from the proven Duvernay
shale reservoirs are plotted in Figures 6A, B. In reservoir engineering

practice, it is common to use GOR from production data to estimate FVF
(Figure 6A), Data analysis shows that the maturity index Tmax and GOR
also have a good empirical relationship (Figure 6C). By replacing GOR
from production data by a highly correlated organic geochemical
indicator Tmax (source rock maturity indicator), an empirical
relationship between Tmax and FVF (Figure 6D) is derived based on
the relationship in Figures 6A, C (Chen and Jiang, 2020).

FVF � 1 + 1
225

10 0.054 Tmax−415( ){ } (16)

where FVF is the oil formation volume factor of the source rock
reservoir and FVF takes a value between 1-3 in oil generation window;
Tmax (a kinetic parameter) is the pyrolysis temperature
corresponding to the highest hydrocarbon generation rate on a
pyrogram. Eq. 16 is applicable to source rock reservoir within oil
generation window only. For the Duvernay shale, the upper limit of
Tmax is around 465°C (Figure 6C). Figure 6E shows the reservoir
pressure of the liquid rich Duvernay shale. For different source rocks,
the parameters in Eq. 16 will have to be adjusted by fitting data.

For samples from gas generation window, Rock-Eval S1 measures the
adsorbed gas only and Eq. 8 can be used directly to estimate the mass of
natural gas in reservoir condition with the following parameters assumed:
gas density of 0.7 kg/m3 at surface condition; oil density of 860 kg/m3 in
reservoir condition; and gas compressibility factor z = 1.1. For the
calculation of bg, measured pressure and temperature gradients in the
region are used to obtain empirical models of reservoir pressure and
temperature, leading to an average pressure gradient of 13.5 mPa/km and
temperature gradient of 0.029°C/m in this study.

FIGURE 5
Comparison of kerogen conversion models from chemical reaction kinetic model and data-driven model. (A) Estimated kinetic parameters from the
core sample SAP in Dieckmann et al. (2004) was used as immature source rock for hydrocarbon generation model; (B) Tmax-HI plot of data and computed
Tmax-HI data pairs using a forwardmodelling (Chen et al., 2017b); (C)Computed kerogen conversion rate using kinetic parameters in Dieckmann et al. (2004);
(D) Constructed empirical model of kerogen transformation ratio from data in Figure 5B).
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The estimated evaporative loss, that is, the difference between
the HC retained and HC observed (S1) is shown in Figure 7 for
each sample, and compared with the computed total petroleum
that has been generated from the source rock at different
maturities. The difference between the HC generated and HC
retained indicates the amount of petroleum that has been expelled
from the source rock.

3.2.2 Estimation of heavy and sorbed oils
The numerical method by Li et al. (2018) is used in this work to

transform the Rock-Eval FID pyrogram from temperature domain to
activation energy domain. Figure 8 displays the activation energy (Ea)
distributions of the five samples with increasing thermal maturity.
Each Ea distribution can be roughly divided into two populations
(groups): petroleum substances already in sample prior to analysis
(yellow) and petroleum generated from kerogen during lab pyrolysis
(red). With increasing maturity, the petroleum population increases
while kerogen population decreases. To separate the two groups, it is
assumed that each of the Ea groups can be modelled by a normal
distribution (e.g., Braun and Burnham, 1987). As the two distributions
could overlap in a transition zone between 47 and 54 kcal/mol, a
sigmoid function is used to fit the cumulative curve of kerogen group
(Figure 9), thus determining its natural extension. By adopting the
sigmoid natural extension to the left side and keeping the original Ea
values on the right, we obtain a corrected Ea distribution for kerogen
components for each sample. The difference between the corrected
and uncorrected Ea distributions for kerogen components derived
from the S2 curve is considered to be the equivalent of the petroleum
sorbed in the source rocks or having complex petroleum molecules
requiring high temperature to evaporate. The numerically estimated
sorbed oil is plotted in Figure 10A.

3.2.3 Hydrocarbon resource mobility grouping
In this study, the TOY is divided into four sub-groups: sorbed oil

(Eq. 1), oil and gas with restricted mobility, movable oil, and gaseous
petroleum lost prior to analysis during coring, storage and sample
preparation. The movable oil is defined as a portion of petroleum
substances that can flow freely in reservoir condition. Jarvie (2012)
defined an oil saturation index OSI = 100 × S1/TOC, and production

FIGURE 6
Cross-plots of reservoir parameters of the Duvernay Shale showing general characteristics of petroleum fluids at surface condition (modified fromChen
and Jiang, 2020). (A)Gas to oil ratio GOR vs formation volume factor VFV; (B)GOR vs oil density; (C)GOR vsmaturity index Tmax; (D) Formation volume factor
FVF vs maturity index Tmax. (E) Reservoir pressure profile of the liquid-rich Duvernay shale.

FIGURE 7
Comparison of observed S1 (free petroleum remained in samples)
with retained petroleum (TOY defied by Eq. 1) that is the total quantity of
petroleum corrected from light hydrocarbon loss. The total petroleum
generated is shown as a reference.
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statistics suggest that most producing shale oil intervals in North
American have an OSI> 100 mg HC/g TOC, while Behar et al., 2002
called OSI > 100 “oil show” in conventional oil exploration. An OSI
value greater than 100 mg HC/g TOC may suggest that the mass of
petroleum fluids in the reservoir has exceeded the source rock
retention capacity. We adopt the definition of movable oil as the
portion of TOY that exceeds the critical threshold of the sample TOC
value (Chen et al., 2019b; Li et al., 2019):

∅mob � 0, S1c≤ TOC
︷�︸︸�︷

S1c − TOC
︷�︸︸�︷

, S1c> TOC
︷�︸︸�︷{ (17)

where TOC
︷�︸︸�︷

is a discount factor with a quantity equal to the numerical
value of sample TOC and has a unit of mg HC/g rock. For example, if
the free hydrocarbon after correction for evaporative loss S1C=10 mg
HC/g rock, sample TOC

︷�︸︸�︷
=6%, the movable oil,∅mob � S1c − TOC

︷�︸︸�︷ �
10 − 6 � 4 (mg HC/g rock). The restricted oil and gas is the difference
between petroleum in the sample after correction of evaporative loss
andmovable oil, that is,∅restricted � S1c −∅mob � 10 − 4 � 6 (mgHC/
g rock). This is a numerical translation of Jarvie’s observation (2012) of
OSI>100 mg HC/g TOC in shale oil production interval and is applied
to assessing oil mobility. In this sense, the critical threshold is
equivalent to the oil saturation threshold.

The oil and gas grouping (normalized to TOC) results for the five
Duvernay shale samples with respect to mobility are plotted in Figure 10,

showing the variation of different mobility groups with thermal
maturation. Movable petroleum resource increases with increasing
thermal maturity and reaches a maximum from the peak generation to
wet gas window (Tmax from 450 to 490°C) where kerogen is almost
depleted and condensate dominates. Massive cracking of oil to gas
accelerates expulsion from Tmax = 475°C onward, leading to
continuous loss of petroleum fluids and thus decreasing resource
intensity (defined as mass of hydrocarbon/reservoir volume). Figure 10
demonstrates the changes in the mass of hydrocarbon retained in shale
reservoir with maturity and shows mobility level of petroleum fluids
increasing from left to right.

3.2.4 Composition grouping based on evaporative
kinetics

Following the steps of the proposed methods described above in
Section 2.2.2, the retained petroleum substances in the analyzed sample
represented by S1a and S1b can be grouped according the temperature
sections in thermal analysis: 100–200°C, 200–350°C, 350–450°C,
400–650 and >650°C on the basis of evaporative kinetics (Figure 8).
The corresponding Ea values in Figure 8 for each temperature interval was
transformed back to temperature domain, representing evaporation/
thermal desorption and chemical reaction equivalent composition
(Figure 11). The first 3 groups with lower temperature in Figure 11
are the petroleum substances already generated and retained in the
samples. The gaseous hydrocarbon group (<100°C) is the estimated

FIGURE 8
Petroleum and kerogen components grouping based on Ea values derived fromRock-Eval FID curve in an activation domain, seeing growth in petroleum
and decline in kerogen components with increasing thermal maturity: (A–E) correspond to samples C-590392, C-594351, C-590327, C-590436 and C-
590378 in Table 1.
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evaporative losses and not shown in Figure 11. Numerically, the
evaporation rate of petroleum products during pyrolysis is modeled as
a convolution of the Ea distribution and evaporation/reaction rate
constant (Eq. 11), as such, there will be overlaps between successive
oil temperature groups. The degree of overlap depends largely on the
temperature ramping rate of the experiment and is shown in Figure 11.
The 100–200°C group components may represent light oil components <
C12, corresponding to petroleum substances with boiling
temperature <200°C. Those in temperature range 200–350°C may
represent intermediate molecular weight components with carbon
number less than C20, while the 350–450°C group likely represents
components of high molecular weight and high boiling point
substances (Li et al., 2020). The last two groups are kerogen (chemical
decomposition) components (450–650°C) and spent kerogen and
pyrobitumen (>650°C) that are exhausted of side aliphatic chains.

4 Discussion

There are several observations on the relationship between mobility
groups and thermal maturity. First, in general sorbed oil decreases with
increasing thermal maturity, so does the restricted oil and gas group
(Figure 10). This reflects the thermal decomposition processes of large
molecule heavy oil and bitumen complex breaking down with increasing
thermal stress. When the size of petroleum molecule becomes smaller, the

interaction between petroleum fluids and host rock is weakened, while when
its quality is beyond a critical threshold, the excess part becomes mobile. In
gas window, the petroleum group with restricted mobility represents the
gases adsorbed to the walls of organic pore and the surface of clay minerals.
Secondly, the gas component and movable petroleum groups behave
differently. The movable oil increase gradually from early oil generation
window and reaches a maximum at the end of oil generation and the
beginning ofwet gaswindow in aTamx zone from465 to 480°C,where large
amount of gaseous petroleum is generated before massive hydrocarbon
expulsion. Themovable oil group starts to decrease as oil cracking intensifies,
while gaseous group appears to decline slightly in mass with increasing
thermalmaturity. Petroleumfluidmaintains an equilibriumbetween volume
and pressure during oil cracking as evidenced from a drastic increase in the
volume of expelled petroleum fluids. Thirdly, the mobility of petroleum
fluids improves at the expenses of reduced resource potential in the shale
reservoir as evidenced by decreased mass of petroleum (per unit TOC) at
advanced thermal maturation levels. The total petroleum in mass reaches
maximumat the end of oil generationwindow, and then follows a decreasing
trend as fluid expansion causes expulsion. The maximum retaining rate of
petroleum fluids (mg HC/g TOC) in shale is in the transitional zone from
late oil generation to wet gas windows. Petroleum fluid gains its mobility by
converting to smaller gaseous substances, which is a trade-off for reduced
resource potential via petroleum expulsion.When the source rock enters gas
generation window, the aliphatic carbon-carbon chains becomes shorter,
improving the mobility of petroleum fluids in reservoir.

FIGURE 9
Separation of kerogen components from petroleum components in Ea domain. (A–E) correspond to samples C-590392, C-594351, C-590327, C-
590436 and C-590378 in Table 1. Each group was fitted to a normal distribution, and separation in the mixed transitional area was achieved using a sigmoid
function, in which α, β and γ are unknown parameters and obtained by fitting the S2 curve.
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Figure 10 compares the grouping results by petroleum fluid mobility
(Figure 10A) and by compositional evaporative kinetics (Figure 10B). The
gaseous petroleum group is derived from PVT and phase behavior analysis
associated with P/T changes from reservoir to surface conditions. The two
low temperature petroleum groups (<350°C) (Figure 10B) appear to be
comparable with the movable group determined from OSI. The calculated
high molecular petroleum substances in temperature range of 350–450°C
represent the groups affected by OM-mineral interaction and sorption.
However, there are differences between the two types of grouping. The
grouping based on evaporative kinetics of petroleum substance shows
considerable amount of petroleum in low boiling temperature range at low
maturity. This appears to be similar to the phenomena of “permeability jail”
in tight gas reservoir, where when gas saturation is less than a critical value,
the relative permeability of gas is too low to allow gas flowing to wellbore.
For a shale oil reservoir with low thermalmaturity, the amount of light oil is
less than rock sorption capacity or is dissolved in heavy oil-bitumen,
making it not movable. This is also true even in the gas generation window
where there still requires a portion of available gas to saturate the active pore
surfaces, making the recovery of those gas typically difficult. Thus,
petroleum fluid mobility is not only a matter of its compositional
characteristics, but also involves additional critical conditions due to
increased complexity of interaction between the fluids and the host

rock that contains mixed pore types with different physical and
chemical properties. However, recent molecular thermodynamic
simulation showed that petroleum fluid flow in a shale reservoir
depends not only on fluid types (size of the molecule, viscosity,
composition) and the pore characteristics (size distribution, type of
pore, connectivity), but also the interaction between petroleum fluids
and host rock (kerogen types, types and grain size of mineral contents)
(e.g., Akkutlu and Fathi, 2012; Akkutlu et al., 2017; Bui et al., 2018; Baek and
Akkutlu, 2019a; Baek and Akkutlu, 2019b; Baek and Akkutlu, 2019c). In
addition, depending on compositional character of the petroleum fluids,
hydrocarbon molecules are likely to be trapped in the pores when the pore
size is smaller than a critical threshold (Zhang, et al., 2017). Oil nanopore
confinement has also been shown to be a key issue in the mobility of oil,
which involves pore size distribution and structure in shale reservoir.
Therefore, oil mobility evaluation in shale reservoir has to consider both oil
composition and pore characteristics simultaneously. In combination with
pore structure and size distribution, it could provide new insights for better
understanding the hydrocarbon mobility in shale reservoirs.

The above proposed method for resource estimation is a mass
balanced approach that can potentially minimize the impacts of phase
change on volumetric calculations of the resource. Hydrocarbons in
the original samples were categorized into mobility groups largely

FIGURE 10
Petroleum fluid composition grouping and mobility estimation in shale petroleum reservoir, Duvernay Formation in WCSB. (A) resource grouping based
on petroleum fluid mobility assessment in reservoir (phase behaviors and OSI); (B) petroleum compositional grouping (boiling temperature range equivalent)
inverted from kinetic models. Oil saturation index: OSI=S1/TOCx100. The evaporative loss includes gaseous hydrocarbons and light oils that have been
generated and retained in the shale, but lost prior to the sample analysis.
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based on their combined behavior of changes in phase and PVT
characteristics under different physical conditions (reservoir versus
surface) and responses to ramping temperature during routine
pyrolysis in the laboratory. The utilization of evaporative kinetics
for hydrocarbon fractional analysis avoids additional laboratory
analyses, and can be directly related to chemical compositional
fractions based on their boiling temperature ranges.

5 Conclusion

This study showed that PVT and phase behavior related changes in
petroleum fluid volume and composition due to differences in T/P from
reservoir to surface conditions can be used to estimate the amount of
evaporative loss of free hydrocarbons in shale rock samples, providing
additional informationuseful for assessing resource potential and oilmobility
in shale reservoirs. In oil generationwindow, the oil formation volume factor
is proposed for estimating the evaporative loss of dissolved gas in S1 because
the dissolved gas is released due to pressure drop when core is brought to
surface. In gas window, the gas volume change, quantified by gas formation
volume factor as a function of temperature and pressure, is used to restore
the mass of gaseous petroleum in a reservoir condition.With corrections for
both evaporative hydrocarbon loss and heavy oil “carry over” in S2, the total
oil yield represents better resource intensity in a shale reservoir.

While petroleum fluid mobility increases with maturity in general,
the total movable resource reaches its maximum at the end of oil
generation window around Tmax = 465°C, then declines towards gas

generation window as a result of massive expulsion due to
overpressure from thermal cracking of liquid to gaseous
hydrocarbon. In this sense, increased oil mobility with thermal
maturation is a trade-off with reduced resource intensity.

Evaporative kinetics-based petroleum composition grouping does
not show a complete accordance with mobility grouping based on
reservoir phase behavior and OSI, suggesting that composition is not
the only factor controlling oil mobility. Similar to permeability jail in
tight gas reservoir, oil also needs to saturate the retention capacity
(including sorption, nanopore confinement and other impeding
forces) of the host rock prior to flow. More studies are required to
better understand the oil mobility in shale reservoirs.
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